Chapter 9:

simulations







introduction



In order to compare the different alternative hydropower projects in the Epupa region (including the Baynes alternative), candidate projects need to be designed and costs estimated. The design of a project must be based on technical and economic considerations to arrive at an optimum level, where incremental benefits are compared with incremental cost. In principle all components of the project need to be optimised in the process, from early planning to implementation, with emphasis on the components carrying the largest portions of the cost.



	For the purpose of the project formulation report the following components have been optimised:



Dam Height and Reservoir Full Supply Level (FSL)

Storage Volume-Reservoir Draw Down

Installed Capacity

Operating Head

Dimensions of Water Conduits



The most appropriate configuration for a hydropower project at each individual site has been established on the basis of the optimisation.



	The benefit of each project has been calculated on the basis of a 50 year hydrological sequence and weekly flows arrived at in the hydrological study.



	An in-house computerised simulation model, Advanced Power Optimising Model (APOM) has been used. to manage the large amount of input data, and number of alternatives with their variations.





principles for simulations



General



The objective of simulating a process is to reflect as accurately as possible actual conditions at present or in the future. In the analysis of power projects, the power generated at each point in time has to be in balance with the consumption of the power.



	In the APOM model the characteristics of the receiving power system are described in detail.  Daily and seasonal power demand are modelled along with other existing sources of power with regards to cost, capacity, and availability. 



	For the power project, all parameters governing the generation at each point in time are considered in the model, hydrological data, reservoir data, upstream and downstream water levels, installed generation capacity, efficiency of equipment, friction losses, construction costs, and implementation schedule. As the inflow to the project under consideration depends on other projects in the river basin, existing or planned, characteristics of these projects are described as well.

Simulation Methodology



The simulation methodology can be described in the following steps:



(i)	For each development and hydrological year



-	Based on the yearly load and energy demand and a function describing the distribution of peak load demand over the year, the weekly peak load and energy demand is calculated.  This is represented as a load duration curve in the form of a step function. The step function should normally have at least 20-30 steps, to be able to accurately represent the hourly load variations within a week. 



	After the load duration curves for all 52 weeks have been calculated the program integrates the area under the curves to calculate the energy generation. 



	The total energy generation is then compared with the yearly energy demand that has been given as input. If the difference is small (i.e. less then 5%) the program automatically corrects the step functions after given rules (don’t touch the peak load etc.). If the difference is larger than 5% the user is given a warning and is given the option to recalculate the assumed frame for the step function by an external program.



-	The configuration of hydropower plants for the actual development year is determined on the basis of input data giving the configuration and commissioning years for all candidate hydropower plants.



-	Using the statistical inflow series, the program constructs two curves for each reservoir, an average weekly inflow function and an average accumulated inflow function. Together with the inflow statistics for earlier weeks, these two functions are the only hydrological information the program can use for the planning of the reservoir operation. This means that the program does not know the inflow for coming weeks and thus can make planning errors. This planning methodology has been introduced to allow for planning errors that will happen in a real operational environment. Perhaps more important is the fact that the hydropower generation would otherwise be overestimated, since no one will ever be able to exactly forecast the weekly inflow of water to each reservoir in a system.



(ii)	For each week during the planned hydrological year within the development year



-	A correction factor for the local inflow to each reservoir is calculated using the four latest weeks and the average functions described above. These factors are used to plan the reservoir utilisation for the active week and to forecast reservoir utilisation for coming weeks. The correction factors are revised every week when new statistics become available to the program.



-	The weekly planning order for the reservoirs in each river is determined based on calculated spill risk. As APOM is a multi-reservoir program this basically means that reservoirs that are relatively full will be planned and operated first (the water in these reservoirs is given the lowest value). While doing so, attention is paid to the river configuration as a whole , meaning that the program will calculate downstream effects of the reservoir discharge.



(iii)	For each hydropower plant in each river



-	The planning period is defined as the number of weeks from the actual week to the start of the next wet season.



-	The total amount of water, TOTWAT, that is (will be) available for utilisation from the reservoir from this week to the start of next wet season is calculated. This is a sum of the actual reservoir content and the expected local inflow and eventual upstream reservoir utilisation reduced by evaporation and alternative water use such as irrigation.



-	TOTWAT is then distributed weekly over the planning period according to the weekly relative peak load and energy demand.



-	After deciding the discharge from the reservoir for the actual week and planning the discharge for the other weeks within the planning period, the resulting weekly development of the reservoir level is calculated and compared with defined reservoir maximum and minimum levels. If  the reservoir, in any week, falls into the forbidden zone (i.e. below the minimum level or above the maximum level) the discharge is changed accordingly.



-	The forecast reservoir utilisation for weeks n+1 to the end of the planning period was only made in order to estimate the reservoirs fluctuations. These weeks are now disregarded.



-	The hourly discharge over the week is optimised taking head losses into account.



-	The weekly load demand curve is recalculated according to the power and energy generated in the hydropower plant.



(iv)	After all reservoirs have been simulated for all weeks within the hydrological year the economic consequences are calculated as described below.



-	The missing peak power for each week is calculated and compared to what is available on the thermal/import market.



-	Each week is given a marginal cost for thermal generation and the week with the highest marginal cost is identified. This marginal cost is discounted over the earlier weeks to form the weekly “water value”. If the cost for thermal generation is found to be cheaper than hydropower generation in any reservoir, the weekly discharge from that reservoir is decreased accordingly and the planning process starts from the beginning again. The program then simulates the system changes resulting from the change. After the lowest total cost profile is found the hydropower planning is completed.



-	The yearly maintenance periods for all thermal units is optimised



-	The thermal/ import generation is optimised using the Stochastic Cost Optimising Technique where all combinations of generator/turbine failure at all times are considered.



-	Secondary hydropower generation is calculated and sold to the Republic of South Africa (RSA).



-	The yearly (for this hydrological year) economic calculations are made.



(v)	After all hydrological years have been simulated



-	The hydrological years are weighed (energy and power generation/economy) together to for the most probable outcome for each  development year.



(vi)	After all development years have been simulated



-	The Present Value of the power system for the scenario is calculated.



-	Technical and Economic reports are written.





basic assumptions



The data used as input for the simulations have been divided into different categories and are presented below.



Global Data



The global or system data comprise:



The sequence of future development years to simulate

The base discount rate for economic calculations

The cost of unserved energy

The number of hydrological years (conditions) that will form the probable energy generation for each development year 



Study Period



The number of future years to study is of great importance. 



The starting year for the simulation before the commissioning of the project must be chosen long enough to be able to represent the investment period in the economic evaluation. If there are several short term expansion options that can be replaced by a long term option, the corresponding investment period must also be included.



The simulated period must be long enough to correctly represent projects where the  economic feasibility depends on high investment costs and low variable costs.



The simulation has been assumed to start in the year 1999 and end after the year 2020. The start year is determined based on NAMPOWER’s plans to build a new 400 kV interconnector to RSA in the year 1999, which together with existing generation sources, will be able to secure supply of electricity to Namibia into the next century. The Epupa scheme can be in operation by 2005 after four construction/ investment years. The year 1999 would consequently be a suitable start year for the simulations.



When hydropower projects are simulated and evaluated the study period must be long enough so that the relatively high investment costs can be balanced by the low variable costs. The study period can be shortened if the residual values of all investments are calculated and subtracted from the final result. Since hydropower projects have a longer life cycle than comparable thermal projects, the residual value of a hydropower project will be higher than comparable thermal project at the end of the study period.



The residual value is automatically calculated in the simulations. The study period has been reduced from a normal life cycle of a hydropower project to 22 years, 1999 - 2020. This allows for studying the operation of Epupa for 15 years. It should be observed that after 20 years the present value factor is 6.7 at 10% discount rate, which significantly reduces the economic differences between different expansion alternatives or design parameters.



Discount Rate



The discount rate to be used for the evaluation of power generation project is almost always discussed. For the purpose of comparing the hydropower alternatives 10 % is used as the discount rate.  The assumption on the discount rate will be more important when comparing the hydropower project with other supply options and a more in depth analysis of the effects of other assumptions on the discount rate will be done in the Feasibility Study.



Cost of Unserved Energy



The cost of unserved energy, the amount of energy that is not supplied to the customers due to faults, drought etc., is difficult to calculate exactly. The cost should not only represent the economic loss for the power utility, but also reflect the costs for the total economy including good-will costs. The cost for unserved energy is normally in the range of 0.25 - 1.5 USD, depending on the infra-structure and industrial level of a country. The economy is highly dependent on electricity intensive industries such as mining, and an interrupted power supply to industries of this type would be costly for the society since it is often hard, if not impossible, to recover the lost production. It has also a high good-will value  since international companies will be reluctant to invest in a country with an unreliable power supply.



Based on the above, the unserved energy cost has been set to 1.5 USD. The consequences of this high value are:



-	New investments in the power sector (timing of new project) are encouraged

-	Unreliable generation plants are economically penalised



Number of Hydrological Years



The hydrological (historic stream flow) data is used to model different hydropower generation scenarios, with the same basis for comparison. The different hydrological scenarios are simulated for each development year and are then averaged to reflect the most probable outcome for the coming years. In this simulation, the last 49 years of stream flow data for the Cunene River are used.



Load and Energy Demand Forecast



Load demand forecasts are discussed in detail in Chapter 3 and Appendix 2, and the results as given in Chapter 3 have been used for the simulations.



Thermal System and Import



There are two thermal power plants in operation in Namibia today, Van Eck and Paratus. 



Van Eck thermal power plant is located in the outskirts of Windhoek. The plant includes four steam turbine/generator units of 30 MW each. The plant is coal fired and air cooled with large fans, the  power consumption of which reduces the maximum power delivered by about 2 MW/unit. 



Paratus diesel power plant is located in the Walvis Bay area. The total capacity of the plant is 24 MW.



The two plants are considered to be on line during the simulation period. If retired they would have to be replaced with another unit(s) which for the time being will be  considered to be equivalent for all alternatives.



The Technical/ Economic data for the plants that are used in the simulation are:



Van Eck

Availability:			82%

Yearly maintenance:		28 days/unit, yr.

Fixed Yearly Cost:		86 NAD/kW, yr.

Variable Cost:			0.1 NADc/kWh

Fuel Cost:			16.63 NADc/kWh



Paratus

Availability:			80%

Yearly maintenance:		14 days/unit, yr.

Fixed Yearly Cost:		75 NAD/kW, yr.

Variable Cost:			7.2 NADc/kWh

Fuel Cost:			14.4 NADc/kWh



Electrical energy is at present imported from RSA as an important complement to the indigenous power supply. The power is imported over two parallel 220 kV circuits and is limited to about 225 MW.  A new 400 kV interconnector to the RSA increasing the power transfer capability to about 540 MW is planned to be in operation from 1999.



The tariff for import from ESKOM in RSA has recently been re-negotiated.  The Power Purchase Agreement (PPA) is valid until the year 2005.  The tariff includes the following three components:



-	Firm power is purchased at 7.56 ZAR/kW per week. It is arrived at from the total system peak demand minus the amount of indigenous firm power considered to be available from NAMPOWER’s plants. The indigenous firm power is determined using the streamflow at Ruacana and the available capacity in the thermal plants.



-	System energy is paid for at 4.2 ZARc/kWh. The system energy is treated as the total imported energy minus the firm energy.



-	Firm energy is paid for at 4.02 ZARc/kWh. The firm energy is calculated by multiplying the firm power by 168 hours.



	The existing tariff system has been programmed in the simulation software in order to enable a correct representation of import costs.



The pricing of the imported power after the year 2005, when the PPA expires is uncertain, and depends on the development of power demand in RSA and the region as a whole.  For the purpose of the Project Formulation Report, and average tariff of ZARc 13.2 or USc 3.0 has been used as a average unit price after 2005.



Hydropower System



Ruacana is the only hydropower plant in operation in Namibia at present. The plant is Namibia’s main source of power and is located on the Cunene River 700 km from Windhoek. It is an underground power plant with three units of 80 MW each. The reservoir is small and only allowing for daily and limited weekly regulation of the inflow.  The firm power capacity is low, on the order of 20 MW or less.  Long term regulation was planned to be provided from the Gove dam located in Angola in the upper part of Cunene, but for various reasons this reservoir has not been operated according to the initial intentions. However, the simulations assume that the Gove dam will be rehabilitated by the time for commissioning of a new hydropower project in the lower Cunene, and will be  operated to provide optimal regulated water flow into Ruacana.



The technical/ economic data that is used for Ruacana and Gove is presented below:



Ruacana



Installed Capacity (Full head)		249 MW

Max. Active reservoir volume		 (0 Mm3

Max. design discharge			207 m3/s



Gove



Installed Capacity (Full head)		0 MW

Max. reservoir volume			2574 Mm3

Max. active reservoir volume		2364 Mm3

Max. design discharge			220 m3/s

Net Evaporation				400 mm/yr.



Active reservoir volume and surface area plotted versus elevation is presented in Figure 9.1.  Maximum discharge as a function of elevation is presented in Figure 9.2.  The relation is represented as a function of the third degree.



Hydrology



The inflow of water into the Lower Cunene comprises the inflow into the Gove reservoir and the inflow between Gove and Ruacana. The inflow between Gove and Ruacana has been derived from several tributary inflows, in consideration of  the different time lags to reach Ruacana.



A graphic presentation of the inflow to Gove is presented in Figure 9.3 and the inflow between Gove and Ruacana in Figure 9.4.
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Figure 9.1  Epupa Site B, Active Reservoir Volume and Surface Area vs. Elevation
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Figure 9.2  Epupa Site B, Maximum Discharge and Capacity vs. Elevation
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Figure 9.3  Natural Average Inflow to Gove 1946-1995
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Figure 9.4  Natural Average Inflow Between Gove and Ruacana 1946-1995

upstream water use



The assumption made for the base case with regard to future water use comprises the expected short term developments until the year 2005, corresponding to a total water abstraction for consumptive use of 330 million cubic meter per annum.





result



The results of the simulations are based upon the assumptions presented above as a base case. The optimisations and the selection of the best alternative at each site are done for the base case. For the chosen alternative at each site sensitivity analysis’s have been made, for (i) without the Gove regulation, (ii) variations of the import tariff, and (iii) impact from upstream water use. 



Optimisation



General



The extent of the optimisation process for the purpose of the Project Formulation Report has been directed by the intention to put the various project alternatives on equal footing. The optimisation efforts have been concentrated to the main parameters of the projects, to be able to establish the comparative cost estimates and cost variations. The optimisation has comprised the dimensions of the water conduits, (notably the tunnels as being the main conduits) the reservoir high water levels, the active storage volume, and the installed capacity for each alternative.



	From experience this  is sufficient for the comparison and selection of the most favourable hydropower alternative on technical and economical merits.

 

	In the Feasibility stage more detailed optimisations will follow for the selected project.



	The general methodology applied in the optimisations has been to derive the lowest present value of cost for the power system over the study period, by varying one parameter at a time, while keeping the other parameters constant.



Tunnel Dimension



The friction losses caused by the water flow in the tunnel give rise to head losses of the power plant resulting in a reduction of capacity and energy production. The optimum cross section of the tunnels is determined by simulating a range of cross sections and identify the least cost alternative.



	The unit value of the head losses correspond to the unit value of replacing the lost capacity and energy from other generation sources of the power system.



	Simulation of a range of tunnel cross sections has resulted in selecting a maximum velocity of 2 m/s as optimum.



Reservoir High Water Level



The high water level of the reservoir determines the maximum gross operating head of the power plant, as the difference between high water level (HWL) and the tailwater level (TWL), the maximum gross storage volume of the reservoir and the maximum inundated area. The optimum HWL is arrived at by simulating a range of HWL and identify the HWL corresponding to the least cost.  The derivation of the optimum TWL has been  done in a more simplified manner at this stage, and has taken as +572, +510, and +380 for Epupa A, B and C, and Baynes respectively.



	The simulations of the Epupa alternatives and Baynes have shown that the maximum HWL, which has been chosen from considerations of upper limits correspond to the leas cost. For the Epupa alternatives the least cost corresponds to a HWL +710.  For the Baynes alternative the least cost corresponds to HWL +580, which is the chosen maximum HWL not to infringe on the Epupa Falls.



Reservoir Storage



Following the selection of the reservoir high water level the active storage has been optimised. The active storage is determined by the difference between the HWL and the minimum operating level (MOL). Between these two levels the maximum reservoir drawdown is determined.



Lowering of the MOL entails that the active storage is increased, with reduced spill as a result, but the average operating head and efficiency of the power plant are also reduced.



	The optimum MOL is determined by simulating a range of MOL and identify the least cost alternative. 



	For the Epupa alternatives the maximum drawdown has been chosen at 30m below the 

HWL and for Baynes 60 m.



Installed Capacity



The installed capacity is defined as the maximum power generation in MW which is possible to generate at the highest reservoir water level,  maximum head, and turbine discharge. The available capacity over time is determined by the actual reservoir level, head and turbine discharge.



The optimum installed capacity determines the operating mode of the powerplant to produce the energy over time in the mixed power system. Higher installed capacity generally means that the power plant can be operated for the supply of peak power and lower capacity means operation will mainly be for base load production.



	For each studied HWL a range of installed capacities in the power plants has been simulated. For the Epupa alternatives the range has been 300-450 MW, and for the Baynes alternative 250-400 MW.



	For all cases the installed capacity resulting in the least cost has been derived at 300 MW.



	The relation between the energy production and the installed capacity is generally called the plant load factor. For the studied Epupa alternatives the plant factor has been determined within  the range of 0.5-0.7 and for Baynes 0.5-0.75.



	The optimum installed capacity 300 MW yields a plant load factor of 0.7.

�Energy Production



The energy production capabilities of the studied alternatives are presented in Table 9.1 below.





		Table 9.1 	Energy Production



Alternative�Reservoir High Water Level

M.A.S.L�Installed Capacity

MW�Annual Energy Generation, GWh��A+C�710�300�1919��A+C�700�300�1838��A+C�690�300�1742�������B�710�300�1856��B�700�300�1783��B�690�300�1690�������E�580�300�1768��E�570�300�1661��E�560�250�1492��

	Alternative A+C yields the highest generation. Followed by alternatives B and E. The difference in generation between A+C and B may me explained by the longer tunnel in alternative B, lowering the net head of this alternative.	



Cost of Generation



The cost of generation is best represented by the present value of the cost of the power system.  This includes the investment cost and the cost for operating the balanced power system, including costs of thermal power and power import, for each alternative over the studied period 1999-2020.  This is the criteria used for economic evaluation of the various schemes.



As and indicator of the generation cost for the respective hydropower alternative, the unit cost of generation per kWh produced has also been calculated, as the annually distributed investment cost and operation and maintenance cost divided by the average generation.

�	Table 9.2	Base Case - Main Characteristics



Alternative�Reservoir High Water Level

M.A.S.L�Installed Capacity 

MW�Investment 

Cost

MUSD�Present Value of System Cost

MUSD�Unit Cost of Generation, USc/kWh��A+C�710�300�566�835�3.28��A+C�700�300�543�835�3.29��A+C�690�300�531�840�3.39���������B�710�300�480�805�3.09��B�700�300�475�814�3.17��B�690�300�463�823�3.26���������E�580�300�470�813�3.10��E�570�300�467�826�3.28��E�560�250�440�839�3.42��



	Using the Present Value of System Cost as the criteria, the selected alternative at each site for the base case  will be:



Site A+C with a high water level at +710 and installed capacity of 300 MW



Site B with a high water level at +710 and installed capacity of 300 MW



Site E with a high water level at +580 and installed capacity of 300 MW



When comparing the Present Value of the System Cost for the selected scheme alternatives it appears that scheme A+C is the least attractive of the three.



When comparing schemes B and E there is a small difference in favour of scheme B.  This difference may, however, be within the limits of accuracy for this analysis.



The unit cost of generation for the base case is almost equal for alternatives B and E.



The detailed results of the optimisation of dam heights and installed capacity of the project  alternatives is contained in Table 9.3.





sensitivity analysis



Gove Regulation



The analysis has been performed by removing the Gove reservoir from the river system, implying that unregulated flow passes Matala, Ruacana and down along the Lower Cunene.  The results are given in Table 9.3 below:



�Table 9.3 	Sensitivity to the Gove Dam



Alternative�Reservoir High Water Level

( HWL)

M.A.S.L�Installed Capacity

MW�Energy Production

GWh per Year�Present Value of System Cost

MUSD�Unit Cost of Generation

USc/kWh���������A+C�710�300�1839�936�3.43��B�710�300�1809�890�3.17��E�580�300�1454�947�3.77��

The requirements for a regulating reservoir in the Lower Cunene are reasonably well met by schemes A+C and B, but only partly by scheme E (Baynes).  The reason is that the latter has an active storage reservoir less than 25 % of the other schemes.  The Present Value of System Cost reflects this and shows a certain advantage for scheme B.



It has been decided by SCFS that the base case shall assume the Gove dam in operation.  It is, however, not in operation at present and the effect of this is demonstrated by this sensitivity analysis.
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Table 9.4  Optimisation of Dam Heights and Installed Capacity



�

Import Tariff



The import tariff used in the base case reflects the Power Purchase Agreement (PPA) entered into in 1995 between NAMPOWER and ESKOM.  It will be valid until the year 2005.  The average tariff in the year 2005 is on the order of 2.7 - 3 USc/kWh, depending on the composition of the import in terms of energy (kWh) and capacity (kW).  A value of 3 USc/kWh has been assumed for the base case after the year 2005.



The PPA has been entered into during a time of surplus power generating capacity in RSA.  Recent updated demand projections for RSA indicate that the surplus will vanish by or even before the expiration of the PPA.  It therefore seems reasonable to consider that a conceivable future situation in the RSA will have an upward pressure on the import tariff.  For the sensitivity analysis higher average tariffs of 4 USc/kWh and 5 USc/kWh have been used.



This sensitivity analysis has been undertaken to demonstrate the impact that future higher import tariffs would have on the alternative sites.  It has been performed for cases with and without Gove regulation as shown in Table 9.5 below.



The present value of power system cost would be the following:



Table 9.5 	Sensitivity of Import Tariff



Alternative�Column 1

(see below)�Column 2

(see below)�Column 3

(see below)����4 USc�5 USc�4 USc�5 USc��A+C�1919/1839�931�1026�1055�1177��B�1856/1809�906�1006�1007�1109��E �1768/1454�917�1020�1083�1214��

Column 1:	Annual Energy Generation, GWh, Base Case/Without Gove.



Column 2:	Present Value of System Cost in MUSD for increasing the average import tariff from 3 to 4 and to 5 USc/kWh (base case).



Column 3:	Present Value of System Cost in MUSD for increasing the average import tariff from 3 to 4 and to 5 USc/kWh (without Gove regulation).



The difference in sensitivity with increased import tariff is accordingly not very significant between any of the alternatives when the Gove dam is in operation, and is apparently not immediately related to the size of the reservoir in this case.



The analysis performed without the Gove regulation results in a higher sensitivity to change in tariff as shown in Column 3 of the above table.  The difference in sensitivity between scheme E and schemes A+C and B also becomes more important in this case.



Upstream Water Use



Applying the influence of the three scenarios for future upstream water use presented in Chapter 7, the following results were obtained:





Table 9.6	Sensitivity to Upstream Water Use



�Alternative�Scenario

for upstream water use�Reservoir High Water Level

( HWL)

M.A.S.L�Installed Capacity



MW�Energy Production

GWh /Year�Present Value of System Cost

MUSD�Cost of Generation

USc/kWh��A+C�Base Case�710�300�1919�835�3.28���1�710�300�1856�842�3.39���2�710�300�1922�838�3.28���3�710�300�1939�834�3.25����������B�Base Case �710�300�1856�806�3.09���1�710�300�1764�808�3.25���2�710�300�1823�801�3.14���3�710�300�1875�791�3.06����������E�Base Case�580�300�1768�813�3.10���1�580�300�1679�821�3.26���2�580�300�1740�813�3.15���3 �580�300�1792�810�3.06��

The reason for the base case showing a higher system cost than Scenario 3 is explained by the lower development rate until the year 2005.



The sensitivity is modest for all alternatives.  The relative difference between the alternatives is also rather small.





discussion



When comparing the Present Value of the System Cost it appears that scheme A+C is the least attractive in the base case.  The sensitivity analysis also shows that scheme A+C is less attractive than scheme B for all cases studied.  Consequently, scheme A+C should be excluded from further studies on the basis of pure technical/economic considerations.



This leaves scheme B and scheme E for further technical/economic evaluation.  The main physical difference between these alternatives is the size of the reservoir.  The comparison of the Present Value of the System Cost gives a small difference in favour of scheme B for the base case (i.e. the Gove dam in operation, import tariff of USc 3.0 per kWh).  The difference is, however, small and may be within the limits of accuracy for this analysis.



The sensitivity analysis demonstrates that the operation of the Gove dam is of high importance.  When this is not in operation scheme B is clearly better than scheme E.  Simulation without Gove in operation and increased import tariff further increases the difference between the schemes.  This is explained by the size of the reservoir.



With Gove in operation, sensitivity analysis demonstrate that scheme B is somewhat more robust than scheme E with regard to increase in import tariff and upstream water abstractions.  These differences are not, however, considered important.



�long term consequences



The total power potential of the Lower Cunene from Ruacana to Marienfluss is estimated at approximately 7,000 GWh (utilising the total head).  This potential exists regardless of which alternative would be selected as the first hydropower project to be developed on the Lower Cunene.  It appears from the studies and field reconnaissance that it is technically feasible to utilise the total head of the river along the stretch considered, however the order of development is relevant for the economic viability of the alternatives.



From an economic viewpoint, the main reservoir should generally be as far upstream as possible and should be part of the first scheme.  Subsequent downstream projects will then get regulated water and thereby produce firm power.  These new schemes downstream of the reservoir will increase the energy potential of the reservoir as additional head becomes available downstream.



It has been indicated through the power system simulations that Scheme A+C is economically less attractive than schemes B and E.  The long term consequences of constructing Scheme B and Scheme E respectively is given below.



After Scheme B is developed, the next scheme could be either Scheme E with reduced head (HWL 510 and TWL 380) or Marien.  Further studies are needed to determine the optimal development sequence, however the information available on Scheme E indicates that it is an excellent candidate for development following Scheme B.  There is little information available on the technical and environmental characteristics of the Marien site.  Total technical development potential of the Lower Cunene with Scheme B developed first is shown on Figure 9.5.



When E is the first alternative, the next scheme could be Marien with HWL 380 and TWL 240 and/or Scheme A with HWL 710 and TWL 580 or possibly A with a reduced head (HWL 625) and without a reservoir.  Further studies are needed to determine the optimal development sequence.  The technical and economic information available indicates that Scheme A would be a high quality site for development.  Total technical development potential of the Lower Cunene with Scheme E (Baynes) developed first is shown on Figure 9.6.



Theoretically, it would be most advantageous for long term development to construct Scheme B first, thereby providing the positive benefits of the larger reservoir to any subsequent downstream projects. The simulations, however, show schemes B and E to have very similar present values in the base case as regulation is already provided from the Gove Dam.  



In either case, there is a project with excellent technical potential available to be developed next, along with the less investigated but promising site at Marien.  Development of either site will not reduce the available resource of the Lower Cunene or prevent future utilisation of the hydropower potential.
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